Abstract-In this paper the short-term optimal operation of an electric system comprising several thermal power plants and one pumped storage plant is studied in several scenarios of power demand and wind penetration in order to draw conclusions about the contribution of the pumped storage plant to system operation costs. A mixed integer linear programming model is used to obtain the optimal hourly thermal, hydro and pumping powers so that the production cost of the entire system is minimized. An aggregated piecewise linear hourly production cost curve is used to represent the thermal generation; the marginal production cost varying as a function of the power generated according to the slope of each piecewise linear segment. Main design parameters of the pumped storage plant are not considered fixed in the model but rather they are obtained in the solution with the purpose of drawing conclusions about the plant optimal sizing.
obtain the optimal hourly thermal, hydro and pumping powers so that the production cost of the entire system is minimized. An 
I. NOMENCLATURE
The notation used throughout the paper is stated as follows:
A Cm ax Maximum avoided cost (%). cmin a Aggregated thermal production cost corresponding to the minimum aggregated power (€/h).
Production cost of thermal unit k corresponding to its minimum power (€/h).
Binary variable used in the case that the the aggregated production cost curve is not strictly convex {O,l}.
Pumping energy throughout the time horizon (GWh).
L a
Set of linear segments of the aggregated piecewise linear thermal production cost curve. 
Aggregated thermal power at stage t (MW).
Wind power at stage t (MW).
Mean wind power (MW).
Minimum generating water flow (m3/s).
Generating water flow at stage t (m3 /s).
Minimum pumping water flow (m3/s).
Generating water flow at stage t (m3/s).
Slope of segment I of the aggregated piecewise thermal production cost curve (€!h!MW).
Slope of segment I of the flow-power curve of the pumped storage plant in generating mode (m3/s/MW).
Slope of segment I of the production cost curve of thermal unit k (€!h!MW).
Slope of segment I of the flow-power curve of the pumped storage plant in pumping mode (m3/s/MW).
Set of hourly stages of time horizon.
Binary variable to decide whether or not to dispatch thermal unit k {O,l}.
Initial volume in the upper reservoir (hm3).
Operational volume of the upper reservoir (hm3).
Maximum operational volume of the upper reservoir (hm\ v t Volume in the upper reservoir at stage t (hm3).
xt Binary variable indicating whether or not the pumped storage is pumping at stage t {l,O}.
Yt
Binary variable indicating whether or not the pumped storage plant is generating at stage t {l,O}.
(j Standard deviation of the demand.
II. INTRODUCTION
T he intermittent nature of wind generation has become an issue of major concern in systems with high penetration of this renewable energy source. This subject reaches critical levels in isolated systems, as those existing in islands not interconnected to other islands or to the continent. Operational limits to the penetration of non-dispatchable energy sources make more difficult the substitution of fossil generation by renewable energies.
Adding pumped storage plants (PSP) to the system can compensate to some extent the time-shifting between wind generation and demand profiles, storing the wind energy that can not be absorbed by the system in low demand periods and making it available for peak periods. Additionally, it can introduce some degree of smoothing in the demand curve to be supplied by conventional power plants, shifting part of the higher cost generation in peak periods to lower cost valley periods.
In the last years these aspects have been studied by several researchers. In [I] an optimization approach is applied to the operation of a wind-hydro pumping storage power plant, considering the requirements of storage capacity. In [2] the same authors propose a similar model including the stochastic characteristics of the wind power. The market environment is considered in [3] , where a methodology is presented to obtain the optimal bids for the day-ahead market. The uncertainties about prices and wind power are included, as well as the influence of the pumped storage size. Isolated systems have also been analyzed by several groups. Kaldellis et al. [4] present a parametric analysis of a combined wind-hydro plant in a medium size island of the Aegean Archipielago. In [5] a pumped hydro storage system is proposed to increase the penetration limits of wind power in Canary Island. Finally, in [6] the economic feasibility of a PSP is studied in an isolated system with high thermoelectric production and wind energy rejection.
This paper addresses the short-term (weekly) optimal operation of an electric system comprising several thermal power plants and one PSP with high levels of wind power penetration with the aim of drawing conclusions about the optimal sizing and influence of the PSP in the electric system operation costs. For that purpose, a mixed integer linear programm ing model is proposed. The paper is organized as follows: firstly, the proposed mixed integer linear programming model is described in section III; then, in section IV, the model is applied in an example system in different demand and wind power scenarios, the results being reported and discussed; and, finally, main conclusions of the study are presented in section V.
III. METHODOLOGY
A mixed integer linear programming model is proposed in this paper to obtain the optimal hourly thermal, hydro and pumping powers so that the production cost of the entire system is minimized. An aggregated piecewise linear hourly production cost curve is used to represent the thermal generation; the marginal production cost varying as a function of the power generated according to the slope of each piecewise linear segment.
Even though this approach corresponds to a centralized system, alternatively, the marginal cost for each value of demand could represent the market prices in an ideal wholesale market [Ref] . It is worth to note that in the latter there would be some sensitivity of the market prices with respect to the thermal generation.
A . Instantaneous load dispatch o f ther mal units
In order to obtain the aggregated production cost curve of the thermal generation, it is necessary to know in advance the maximum and minimum powers and to piecewise linearize the production cost curve of each thermal generating unit. Then, an instantaneous load dispatch problem is solved by mixed integer programm ing to obtain the aggregated production cost of all thermal generating units of the system, the formulation of the problem being as follows:
subject to: Pk = Uk P;:, in + LP lk ; VkE K leLK Plk ::S;Uk Plk ; VkEK; V/EL k
where constraints (2) set the minimum power of each unit; constraints (3) set the maximum length of the segments of the linearized production cost curves; and constraint (4) forces the solution to supply the specified power demand level, PD. The aggregated production cost curve of the thermal generation is obtained by solving the problem for each power demand level.
Since this curve will be used within a weekly scheduling model, also based in mixed integer linear programming, it should be piecewise approximated by an appropriate number of linear segments.
B. O p timal weekly scheduling model
Once the aggregated production cost curve has been obtained, the optimal short-term operation schedule of the entire system (pumped storage and aggregated thermal plant) is obtained by solving a mixed integer linear programming problem, whose formulation is as follows: 
(8)
(10)
(12)
3 level; constraints (9) express the water balance in the upper reservoir (an analogous set of constraints could be included so as to track the evolution of the lower reservoir, if necessary); constraints (10) to (12) express the relationship between the flow and power when the pumped-storage plant is pumping; constraints (13) to (15) express said relationship when the pumped-storage plant is generating; constraints (16) prevent the pumped-storage plant from simultaneously generating and pumping; and, finally, constraints (17) and (18) indicate that the initial volume in the upper reservoir is assumed to be known and that the final volume in the upper reservoir volume is forced to be greater or equal than the former, thus ensuring that only the water volume pumped from the lower reservoir will be used for energy generation.
It is worth to mention that, according to (5) and (6), the proposed formulation assumes that in no case there is enough wind power (pwt) to supply all the power demand by itself
It is important to note that, in the case that the piecewise linear approximation of the aggregated production cost curve is not strictly convex, constraints (7) should be replaced by constraints (19) to (21). In a similar way, if the relationship between flow and power in pumping or generating mode could lead in some cases to solutions where the use of water resulted artificially advantageous, then constraints (12) or (15) should be replaced by tw% ne set of constraints analogous to (19)-(21).
Finally, it is also important to point out that certain design parameters of the PSP, such as the maximum pumping and generating powers and the operational volume of the upper reservoir, are obtained as a solution of the model. For that purpose, the length of the last segment of the flow-power curve both in pumping and generating mode, is set great enough to prevent "saturation"; the needed operational volume in the upper reservoir is calculated as the difference between the maximum and minimum volumes obtained as the solution of the model.
IV. CASE
In order to illustrate the applicability of the proposed phlt ::S;Ytp h l ; VIE L h ; VtE T Xt + Y t ::s; 1; Vt E T model, it has been applied in an example system elaborated (15) with realistic data taken from different sources. Thermal
where constraints (6) set the minimum aggregated thermal power; constraints (7) set the maximum length of the segments of the linearized aggregated production cost curve; constraints (8) force the solution to supply the specified power demand generation data, as well as the methodology used to obtain the production cost curve of each thermal generating unit, have been taken from [7, 8] and correspond to the system of Gran Canaria island. The system is composed of 4 gasoil, 5 diesel, 7 fuel oil and 1 combined cycle power plants, with capacities ranging from 12 to 210 MW (all units except the combined cycle one have capacities lower than 80 MW). Fuel and gas prices have been taken from [9,10]. The aggregated production cost curve of the system has been piecewise approximated by eight linear segments.
The proposed model has been applied in several demand and wind speed scenarios. Demand data have been taken from the web page of the Spanish Market Operator (OMEL) [11] and correspond to mainland electricity demand of the year 2008. Four different demand scenarios (Dsc1-4) have been analyzed (see Fig. 1 ), each corresponding to a different season of the year 2008, and each properly scaled according to the generation capacity of the island. Wind speed data have been taken from HOMER software package, developed at the US National Renewable Energy Laboratory [12] . Four different wind speed scenarios (WSscA-D) have been analyzed for each above-mentioned demand scenario (see Fig. 2 ). In order to study different levels of wind power penetration, each wind speed scenario has been scaled to six different wind power levels (50-100-150-200-250-300-350 MW). 
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,. All cases have been solved using the CPLEX solver [13] under GAMS, in a Dell PWS 390 Intel dual-core 2. 40-GHz processor with 2.00 GB of RAM, with data and results import and export from and to MS Excel.
The system operation schedules obtained for the demand scenario Dsc4 and the wind speed scenario WSscA scaled to 150 and 300 MW of wind power are shown in Figs. 3 and 4. In these figures it can be seen the p eak shaving effect of the PSP, especially in the second case, where the wind power reaches 300 MW in several stages.
In all cases analyzed, the resulting operation costs have been compared with those of supplying the net demand only with the thermal units (DCI) so as to calculate the reduction in production costs (avoided costs) caused by the PSP. In the cases shown in Figs. 3 and 4 , the avoided costs are 0. 17 and 0. 44 % (15,515 and 36,753 E), respectively. The avoided costs have been translated into annual recovered costs (ARC) in all 4 cases analyzed, assuming certain specific initial costs taken from [6] , such as: 400,000 €IMW for pumping capacity; 500,000 €/MW for generating capacity; and 2 €/m 3 for the upper reservoir size. In the cases shown in Figs. 3 and 4 , the hydro producer would recover in a year the 0. 65 and 1. 06 % of the initial investment cost, respectively By comparing Figs. 3 and 4 one can observe that, as wind power increases, the contribution of the PSP to the system operation also increases. Nevertheless, this fact has not occurred in all cases analyzed, as it can be seen in the figures embedded in Table I , where the PSP pumping energy is plotted in solid line; the PSP generating energy is plotted in dashed line; the avoided costs are plotted in dotted line; and the upper reservoir volume is plotted in dash-dotted line, all against the wind power in the x-axis (the left y-axis is used for energy and the y-right axis is used for avoided costs and upper reservoir volume). Actually, in some cases, such as Dsc2-WSscA or Dsc3-WSscB both the PSP pumping and generating energies monotonically decrease as wind power increases. By contrast, the avoided costs monotonically increase as wind power increases in all cases analyzed, with only very slight decreases «0.009%) in few cases between 50 and 100 MW of wind capacity. As it can be seen in Table I , the maximum avoided costs range from 0. 31 to 2. 88 % of DCT.
In order to identify relations between the results and the demand and wind speed scenarios, certain parameters have been included in Table I , such as the ratio peak/off-peak power demand (POPr), the per unit standard deviation (sd) of the demand and an index, Ie, indicating the covariance [14] between demand and wind power; the later being given by the VliC P � ax ) . A e max . , . . .; .
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given demand, the maximum avoided costs are obtained in the wind power scenario with lower covariance. In this sense, it is important to emphasize the contribution of the wind power profile to the covariance index, as it can be seen by comparing the demand and wind speed profiles shown in Figs. 1 and 2 . In lET From the obtained results, it is possible to state that for a an analogous way, it is possible to state that, in outline, for a given wind power scenario the avoided costs are higher in demand scenarios with higher POPr and s d values (Dsc1-2-3).
Regarding the ARC, it follows in general a trend similar to that of the avoided costs, i. e. increasing as wind power increases. However, it is important to take into account that this parameter depends on the maximum pumping and generating powers, obtained as a solution of the model. This may cause ARC to follow a different trend as for Dsc4, where:
in WSscB-C-D, it decreases for wind powers lower than 150 or 200 MW (depending on the case) and increases for higher wind powers; and in WSscA, it monotonically decreases as wind power increases. In a similar way, in Dscl-WSscD and Dsc3-WSscD the avoided costs are respectively 1. 78 and 0.52 %; whereas the ARC are, respectively, 2. 38 and 3. 19 % of the investment costs. It is important to consider that, fIrstly, the DCT are, respectively, 4.5 and 6. 0 M€ and that, secondly, the maximum pumping powers are 229 and 72 MW. Therefore, in the PSP planning phase, it might be helpful to carry out a study similar to the one presented in this paper, trying to cover as many cases of wind power versus demand as possible or, at least, the most representative ones. Finally, it is interesting to note that in all cases analyzed the PSP contributes to decrease and increase, respectively, the maximum and minimum powers supplied by the thermal units, the effect being more noticeable as the wind power increases (see Fig. 5 ). This fact could help, on one hand, to diminish, or avoid, wind power curtailments and, on the other hand, to reduce the greenhouse gases emissions of the system. 
V. CONCLUSION
In this paper, the contribution of a PSP to the operation of an electric system with high wind penetration has been studied with the help of a weekly optimal operation scheduling model based on mixed integer linear programming. An example system, elaborated from realistic data taken from different sources, has been used to test model. The system operation has been studied under different demand and wind speed scenarios, the later being scaled to different wind penetration levels. It has been shown that the PSP contributes in all cases analyzed to the reduction of the system operation costs, the magnitude of the reduction increasing as the level of wind power penetration increases. In addition, it has been shown that the PSP contributes as well to decrease and increase, respectively, the maximum and minimum powers supplied by the thermal units, what could help to avoid wind curtailments and to reduce the greenhouse gases emissions. The methodology presented in this paper could serve as a basis for economic feasibility studies of pumped-storage facilities and even to help authorities to incentive the erection of such type of plants, establishing the adequate regulations and economical remunerations for the services rendered to the electric system.
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